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Abstract—In response to the new requirements that restructured
power markets place upon transmission planning, a method for
assessing the economic benefits of transmission upgrades has been
proposed by the California Independent System Operator
(CAISO). Economic effects considered include reductions in the
cost of building and operating power plants along with changes in
market prices. The methodology accounts for how transmission
upgrades mitigate market power by increasing the size of a sup-
plier’s geographic market, considering historical patterns of bid-
ding behavior. Five principles underlie the methodology: con-
sideration of multiple perspectives (consumers, generators,
transmission operators, and society at large); full network rep-
resentation; market-based pricing, accounting for strategic be-
havior by generators; modeling of uncertainty, including the
value of transmission as insurance against extreme events; and
recognition of how supply, demand-side, and transmission re-
sources can substitute for each other. The methods used in the
first full-scale application, to the proposed Palo Verde-Devers 2
(PVD2) upgrade, are summarized, along with results. Novel
methods for modeling market power and for specifying prob-
abilities of future scenarios and analyzing the effect of uncertainty
are summarized and applied. Mitigation of market power ac-
counts for a substantial portion of the benefits of that project.

Index Terms— Power transmission economics, Power trans-
mission planning, Uncertainty, Risk analysis

I. INTRODUCTION

HE need for new transmission planning processes that re-
spond to the demands of a restructured power industry is
widely acknowledged [1-10]:
“There is a need for complex models that will take into
account bidding strategies, the expansion and location
of new merchant power plants, volatility and uncertainty
factors, and an accurate representation of the network
system” [11],
“...1SOs are challenged when asked to develop a busi-
ness case justifying a market economics project and lack
the necessary market models to adequately forecast and
‘prove’ their need” [12].
Unlike the previous vertically integrated regime in which a
single regulated utility was responsible for serving its load, the
restructured wholesale electric market is comprised of a variety
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of parties independently making decisions that affect the use of
transmission. A new approach to evaluate the economic bene-
fits of transmission expansion is therefore needed. Specifi-
cally, the approach must a transmission expansion would affect
(a) transmission users’ access to customers and generation, (b)
bidding and operating behavior of existing generation, and (c)
incentives for new generation investment. The approach must
also account for uncertainty associated with key market factors
such as hydro conditions, fuel prices, and demand growth. The
CAISO’s response to this challenge has been to develop a
planning approach called the Transmission Economic As-
sessment Methodology (TEAM) [13-15].

TEAM was developed because the CAISO is responsible for
evaluating the need for transmission upgrades that California
ratepayers may be asked to fund. These include construction of
transmission projects needed either to promote economic effi-
ciency or maintain reliability. The CAISO has clear standards
for evaluating reliability-based projects. TEAM will help the
CAISO fulfill its responsibility to identify economic projects
that encourage efficient use of the grid.

The goal of TEAM is to streamline the evaluation process for
economic projects, improve the accuracy of the evaluation, and
add greater predictability to the evaluations of transmission
need conducted by various agencies. In several previous cases,
the CAISO has seen the same project receive multiple reviews
of project need by various agencies, each carrying out its indi-
vidual mandate. This has caused redundancies and inefficien-
cies [16,17]. We believe that accepting the TEAM method-
ology as the standard for project evaluation will reduce
redundant efforts and lead to faster and more widely supported
decisions on transmission investment projects.

The TEAM methodology is based upon five principles for
quantifying benefits. It represents the state-of-the-art in the
area of transmission planning in terms of its simultaneous
consideration of the network, market power, uncertainties, and
multiple evaluation perspectives. This framework is a template
defining the basic components that any transmission study in
California should address, providing standards for the mini-
mum functionality that modeling software should have. TEAM
is intended to provide market participants, policy-makers, and
permitting authorities with the information they need to make
informed decisions.

This paper summarizes the elements of the TEAM method-
ology for assessing the economic benefits of transmission ex-
pansions for wholesale market environments (Section II). To
illustrate its use, we summarize its application to a proposed
transmission upgrade (Palo Verde-Devers 2, PVD2) (Section
IIT). We describe particular modeling procedures we used for
the risk and market power analyses, which are new in trans-



mission planning practice. We also summarize some issues
that arise in applying TEAM to evaluating renewable-focused
transmission (Section IV).

II. FIVE PRINCIPLES

The valuation methodology we propose here enhances tra-
ditional transmission evaluations in five ways, which we call
“principles.” With the exception of the market-based (market
power) pricing principle, none of these individual principles is
entirely novel, in that each has been considered previous
transmission planning studies. However, no previous studies,
to our knowledge, have considered all of the principles.

Although how the principles are applied will vary from study
to study, the CAISO requires that the principles be considered
in any economic evaluation of proposed upgrades presented to
the CAISO for review. The TEAM report [13] suggests spe-
cific procedures that can be used to implement each principle.
The study type and initial results will dictate the level of ap-
plication. Our PVD2 study experience indicates that about 12
person-months of effort over three months is needed to fully
apply TEAM, including analysis and public participation.

We note that the methodology was developed in collabora-
tion with stakeholders in an open process. Further, its appli-
cation to any particular project is subject to public review be-
fore submitting a project for approval to the CAISO Board of
Governors. Finally, the TEAM results are reviewed in Cali-
fornia Public Utility Commission hearings. At any time during
this process, stakeholders can propose alternatives for consid-
eration by TEAM. This open process is intended to make the
method’s assumptions and procedures transparent to all inter-
ests involved.

A. First Principle: Benefit Framework

A benefit-cost analysis framework should enable users to
clearly identify the beneficiaries and expected benefits of any
kind of transmission project.

TEAM divides the total benefits due to a transmission ex-
pansion into three parts — changes in Consumer Surplus, Pro-
ducer Surplus, and Transmission Owner (Congestion Revenue)
Benefits. For a vertically integrated utility, benefits arise from
three sources — direct reductions in wholesale power costs,
increases in net revenue for utility-owned generation, and in-
creases in utility-derived congestion revenue.

The quantified benefits can be aggregated for individual
sub-regions or groups of market participants (e.g., California
ratepayers), as well as for the entire Western interconnection.
A key policy question is which perspective should be used to
evaluate projects. The answer depends on the viewpoint of the
entity that the network is intended to benefit. If the network is
operated to benefit ratepayers who have paid for the network,
then the ratepayer perspective might be argued to be most
appropriate. But in the long run, financially healthy utility
generation and private supply may be needed to maximize
ratepayer benefits. In this view, the network is operated to
benefit all market participants and, thus, benefits to CAISO
participants or the Western Electricity Coordinating Council
(WECC) may be the relevant test. (The WECC includes 11
states, two Canadian provinces, and northwest Mexico.)

TEAM does not specify a single test as being the “right” test,

nor any specific numerical threshold as being “do or die” for a
project. Rather, each perspective provides important informa-
tion to policy makers [6]. If the benefit-cost ratio of an upgrade
passes the CAISO participant test, but fails the WECC test of
economic efficiency, then it may indicate that the expansion
will mainly transfer benefits from one region to another. In
contrast, if the project passes the societal test but fails the
CAISO participant test, this implies that other project benefi-
ciaries should help fund the project.

An additional consideration in weighing various perspec-
tives is how to treat the loss of market power-derived rents by
generation owners when the grid is expanded. Since market
power reduces efficiency and harms consumers, it has been
argued that it is reasonable to exclude the loss of those rents in
the benefit calculations. (These rents are distinguished from
scarcity rents that arise in competitive markets.) This is the key
difference between the societal test and the modified societal
test (based on societal benefits minus market power rents) used
in the PVD2 study.

B. Second Principle: Full Network Representation

It is important to accurately model physical transmission
flows to correctly forecast the impact of an upgrade. Models
based on contract paths may suffice for some types of resource
studies, but that approach is deficient when analyzing a net-
work modification that impacts regional transmission flows and
locational marginal prices (LMPs).

We have recently seen how critical an accurate network
representation is to making correct decisions. A utility pro-
posed a transmission addition and justified its economic vi-
ability using a contract-path model. However, the CAISO
found the line to be uneconomic due to adverse physical im-
pacts on other parts of the transmission system that the con-
tract-path model disregarded. The CAISO’s full network
model showed far more flow into California from a particular
direction because the proposed line reduced the impedence of
the system in that direction. Thus the CAISO experienced an
actual reduction in transfer capability, and additional upgrades
were needed to get the benefits projected by the utility [18].

It is possible that, with careful tuning, aggregate path-based
models that disregard parallel flows can be adequate in many
circumstances. Indeed, this was the most controversial issue in
the California regulatory review of the TEAM methodology
[18]. But obtaining such approximations is challenging and
invites criticism in regulatory proceedings; using a full network
model avoids criticisms about equivalences. A useful research
direction would be a systematic comparison of the results of
path-based and full network models to more fully understand
when they differ, and the implications of such differences.

There are many different techniques for modeling physical
transmission networks. More accurate techniques may also
increase computational and data burdens. Recognizing these
tradeoffs, the CAISO identified the need to model the correct
network representation provided in WECC base cases. Any
production cost program that utilizes this network model
should include the ability to model the following:

e cither a DC or AC Optimal Power Flow (OPF) that cor-
rectly represents thermal and other constraints upon
physical power flows for high-voltage transmission facili-



ties and interfaces resulting from specific hourly load and
generation patterns. Use of a full AC load flow model to
represent hourly conditions in a large market over a plan-
ning horizon is not presently possible. Several production
costing models are available (e.g., GE-MAPS [19] and
PLEXOS [20]) that include a linearized DC load flow;

e individual facility thermal or surge impedance load-
ing-based constraints, linear nomograms resulting from
stability and other limits, and path limits;

o flow limits that depend on variables such as area load, fa-
cility loading, or generator availability;

e phase shifters, DC lines, and other controllable devices;

e LMPs; and

e hourly flows on individual facilities, paths, or nomograms.
It is also desirable to model transmission losses.

While the methodology requires use of a network model, a
simplified analysis (contract path or transportation models) can
be utilized if desired to screen a large number of cases for the
purpose of identifying system conditions that may result in
large benefits from a transmission expansion.

C. Third Principle: Market Prices

Historically, resource plans have relied on production cost
simulations to quantify economic benefits of proposed up-
grades. Such an approach made sense when utilities were
vertically integrated and recovered costs through regulated
rates. But naively assuming that profit-maximizing suppliers
bid at marginal cost in a market environment may distort
benefit estimates. Instead, suppliers are likely to optimize
bidding strategies in response to system conditions or behavior
of other market participants.

Modeling such bidding is important because transmission
expansion can benefit consumers by improving market com-
petitiveness. A project can enhance competitiveness of the
wholesale market by increasing the number of independent
generation owners that can supply energy at various locations.
However, in theory, the presence of imperfect competition can
either decrease or increase the benefits of transmission up-
grades, depending on the situation [21].

Thus, strategic bidding can impact societal benefits of an
upgrade, as well as transfers of benefits among participants.
Because of this, forecasting market prices is critical.

There are two approaches to modeling strategic bidding in
transmission valuation studies. The first involves use of
game-theoretic models to simulate strategic bidding [e.g., 22].
Such a model typically represents several strategic suppliers,
each seeking to maximize its profits by altering its bids or
production in response to the strategies of other players. The
second approach involves the use of estimated historical rela-
tionships between market structure and measures of market
power such as bid-cost mark-ups or the difference between
market prices and hypothetical competitive prices [23].'

! Several empirical studies have gauged the extent of unilateral market
power exercised in a wholesale electricity market by computing the mark-up of
the actual price over a counterfactual competitive benchmark price [24-26].
However, none of these studies have estimated predictive statistical models
relating hour-by-hour mark-ups to shifting market conditions. The strength of
the approach we use in the PVD2 case study is that it relies on California’s
experience with markets over the past seven years to estimate a stable predictive

Each approach has advantages [13]. In assessing these al-
ternative approaches, we believe that an empirical approach to
modeling strategic bidding is preferable to a game theoretic
approach if relevant data are available and can be adapted to a
detailed transmission network representation. On the other
hand, game theoretic methods are advantageous in unprece-
dented situations or where data is lacking.

To the best of our knowledge, no one has successfully de-
veloped and implemented a market simulation model based on
strategic supply bids that dynamically respond to supply con-
ditions while incorporating a detailed physical transmission
modeling capability. However, we acknowledge that much
research and development remains to be done in this area, and
that approaches other than the empirical bid mark-up method
we use below may be more useful in other circumstances.
TEAM does not specify the process to be used for forecasting
market power. Rather, at this point, the CAISO asks only that a
credible and comprehensive approach for forecasting market
prices be utilized in the evaluation. We consider the empirical
bidding model we use in the PVD2 analysis below to be one of
several useful methods for deriving market prices.

D. Fourth Principle: Explicit Uncertainty Analysis

Decisions on whether to build new transmission are compli-
cated by uncertainty. Future load growth, fuel costs, additions
and retirements of generation capacity, exercise of market
power, and availability of hydropower are among the many
uncertainties that impact decision making. Some of these risks
and uncertainties are readily quantified, but others are not.

There are two reasons why we must consider uncertainty.
First, changes in system conditions can significantly affect
transmission benefits and the relationship between benefits and
underlying system conditions is nonlinear. (This is true in the
case study; see Table I below.) Thus, evaluating an upgrade
based just on average future system conditions might greatly
under- or overestimate the expected project benefits and lead to
a suboptimal decision. To capture all project impacts, we must
examine a wide range of possible system conditions.

Second, historical evidence suggests that transmission up-
grades have been particularly valuable during extreme condi-
tions. A hypothetical interconnection between WECC and the
eastern U.S. that would have been able to convey many giga-
watts of power during the 2000-2001 period would have been
worth tens of billions of dollars, based on differences between
the regions’ prices. Had such a significant inter-connection
been in place, western prices would not have risen to levels that
they did during that period. (Such an interconnection could be
analyzed by the TEAM approach, but has not since it would not
be under CAISO jurisdiction.)

There are several approaches for assessing the impact of
uncertainty on transmission expansion [e.g., 3,4]. A complete
evaluation process should incorporate probabilistic analysis or
scenario analysis. The probabilistic approach models uncer-
tainties associated with parameters that affect project benefits,
and assigns probabilities to, e.g., scenarios of future loads, gas
prices, and generating unit availabilities.

relationship between the mark-up of the actual market price over a counter-
factual competitive price and key variables that measure system supply/demand
conditions that influence mark-ups.



Unless the proposed project economics are overwhelmingly
favorable when using “expected” input assumptions, we need
to perform sensitivity studies using a range of input assump-
tions. We do this to compute the following risk measures:

e cxpected value,

e range, and

e values under specified rare but potentially important con-

tingencies, such as loss of a major transmission link.

Much of the economic value of an upgrade is realized when
unusual or unexpected situations occur. Such situations may
include high load growth, high gas prices, or extreme hydro-
logical years. The “expected value” of a transmission upgrade
should be based on both the usual or expected conditions as
well as on the unusual, but plausible, situations. These are not
combined mechanistically into a single index of project desir-
ability or risk. Rather, the various measures provide a fuller
picture of the advantages and disadvantages of a proposal.

A transmission upgrade can also be viewed as a type of in-
surance against extreme events. Providing the additional ca-
pacity incurs a capital and operating cost, but the benefit is that
the impact of extreme events is reduced.

An extension of risk analysis would assess the value of
waiting for more information before committing to construc-
tion [27]. This so-called “option value” could be quantified by
constructing decision trees representing the defer option and
later construction possibilities, along with changes in scenario
probabilities that could result (“posterior probabilities”).

E. Fifth Principle: Interactions with Other Resources
The economic value of a proposed upgrade directly depends on
the cost of resources that could be added or implemented in lieu
of the upgrade. We consider the following resource options
singly and in combination:

e central station, renewable, and distributed generation,

e demand-side management,

o modified operating procedures,

e additional remedial action schemes, and

e alternative transmission upgrades.
Examining such alternatives must recognize that an alternative
can either complement the upgrade or substitute for it.

In addition to considering resource alternatives, another
important issue to consider is the decision where to site new
resources. One perspective is that the transmission should be
sited after the siting of new generation. Another point of view
is that the transmission should be planned anticipating how
generation investment would react. (Sauma and Oren [21]
carefully analyze these different perspectives.)

We believe the latter perspective will yield the greatest
long-run societal benefits. Transmission additions have plan-
ning horizons that require decisions a decade in advance of the
line being placed in service. A new combined cycle natural
gas-fired generation unit can easily be built in half this time.
Consequently, we believe it is best to plan the grid anticipating
the entry decisions of new generation as a result of the upgrade
[21]. In this way, the transmission planner influences genera-
tion decision making, rather than accounting for it after the fact.

The ideal means to account for private investment decisions
is to model the profitability of generation investment [21]. We
suggest a “what if” framework. As an example, if a new line

was to be built, what would be the most likely resulting out-
comes in the profitability of private generation decisions?
Profitability should consider energy and ancillary service
revenues, as well as markets for capacity or long-term energy
contracts created in response to resource adequacy require-
ments. Comparing this to a case where we did not build the
line, how much would the profitability of generation invest-
ments differ? The methodology can then optimize generation
additions for both the with- and without upgrade cases, adding
generation when its revenues can cover its fixed and variable
costs. (As a less preferable alternative, fixed entry scenarios
could be considered.) The difference in costs between the
scenarios, including both the fixed and variable costs of the
new resources, will be the value of the upgrade.

III. PALO VERDE-DEVERS NO. 2 STUDY

No other ISO, to our knowledge, has included all five of the
above principles in their planning studies [28]. PJM, for ex-
ample, includes multiple scenarios in their regional transmis-
sion expansion process [29], but not market-based pricing. The
Italian ISO proposes a market simulation method based on the
statistical methods we used [30], but does not consider the
interaction of transmission and generation investment.

The purpose of our case study is to illustrate the application
of the above principles to a market-driven upgrade. Below we
summarize the project, assumptions of the analysis, results for
each category of benefits, and resource alternatives to the pro-
ject. We focus on identifying quantifiable economic benefits
that can be attributed to PVD2. These include:

e energy cost savings,

e operational benefits,

e capacity benefits,

e system-loss reduction, and

e emission reductions.
Energy cost savings are estimated using the market simulation
model PLEXOS [20], an optimal power flow model based on a
linearized DC-load flow [31].” In theory, such a market simu-
lator could also calculate other categories of benefits, but as
explained below, either data or software limitations preclude
such calculations at this time; we recommend that such capa-
bilities be developed for future analyses.

A. Project Description

The PVD?2 project is a proposed 500 kV line that would
provide additional interconnection between southern California
and Arizona. If approved, the project could come online by
2009, increasing California's import capability from the
southwest by at least 1200 MW. This is important because
California depends on imports for more than 20% of its power
needs. The CAISO recently used the TEAM methodology to
identify and quantify the economic benefits of this line [32].

’PLEXOS simulates hour-by-hour bid-based dispatch by minimizing as-bid
costs, and yields dispatch quantities, flows, costs, and LMPs. The model has
the capability to include individual facility limits, path limits, and linearized
nomograms capturing stability constraints on operations. Although PLEXOS
has the capability of optimally shaping non-pumped hydropower output over
time, we took hydro schedules over the day and year as varying over time but
not changeable, reflecting historical operating patterns. The amount and timing
of pumped storage is optimized by simulating 24 hours simultaneously.



The idea for the PVD2 project originated in a regional
planning process called the Southwest Transmission Expansion
Plan (STEP) [33]. PVD2 is the third of four major projects that
were recommended by that process. In parallel with the STEP
process, the Southern California Edison Company (SCE) de-
termined that PVD2 was cost effective and filed a report re-
questing that the CAISO approve the project addition. The
CAISO then undertook an independent economic study of
PVD?2 applying TEAM.

The location of the PVD2 project is shown in Fig. 1. It in-
cludes the following facilities:

e anew 230 mile 500 kV overhead line between Harquahala
Generating Company's Harquahala Switchyard (near Palo
Verde) and SCE's Devers 500 kV Substation,

¢ rebuilding and reconductoring of four 230 kV lines west of
the Devers substation, and

e voltage support facilities in southern California.

Valley

Migus! Project

Hassayampa

MX

Fig. 1. Location of Proposed Palo Verde-Devers Project

B. Input Assumptions

We conducted the energy benefits analysis for two future
years, 2008 and 2013, using PLEXOS. We chose the years
2008 and 2013 because those were the only years for which
vetted network and resource data were available from the
Seams Steering Group (SSG) for WECC. It is common in long
range planning and market modeling studies to estimate bene-
fits in five year time steps because the planning cycle is often
on the order of a half decade, and using a multiyear time step
makes computation times more reasonable. Additional years
could have been simulated if a simpler, unvetted network had
been used; we decided that such an analysis would have raised
other issues without significantly improving our understanding
of the time distribution of benefits. All benefits are expressed
in year 2008 dollars.

Transmission. Consistent with the second TEAM principle
(“full network modeling”), we studied the impact of the pro-
posed PVD2 upgrade using a detailed transmission network
model of the WECC. The model computed physical transmis-
sion flows, associated transmission charges, and nodal prices
for each hour of 2008 and 2013 for the high-voltage WECC
network. Constraints on flows were imposed for 284 500 kV
lines, two DC lines, and 124 interfaces (involving 468 lines),
while flows were calculated for lower voltage lines.

Consistent with the market design to be implemented in
California in 2008, prices to California loads are based on zonal
averages, while prices received by generates are bus-based.

Loads. For loads outside California, WECC forecasts were
used, and were disaggregated into hourly chronological load
shapes for 21 regions and about 5700 locations (nodes). For
California loads, we used the California Energy Commission

(CEC) March 2003 forecast. From 2008 to 2013, overall en-
ergy growth in WECC is predicted to be about 1.7%/yr for the
base case, and 1.4%/yr for the CAISO area. In 2013, the
CAISO peak is 33% of the WECC peak.

Generation. We obtained most of the system resource data
from the SSG database. Their WECC database has about 800
thermal, hydro, pumped storage and renewable generators with
a total capacity of about 196,000 MW in 2008 and 213,000
MW in 2013. We added resources to the SSG database to
reflect renewable portfolio standards in each of the states.
Renewable resource additions included wind, solar, biomass,
geothermal, and digester gas. We also added new gas-fired
generation, primarily combined cycle plants, in each WECC
area to attain a 15% planning reserve margin. The California
gas-fired resources that we added on top of the SSG additions
were those that appeared to have a high likelihood of comple-
tion based on information compiled by the CEC.

The total CAISO resource capacity is 59,204 MW in 2008,
and 64,447 MW in 2013. The WECC area planning reserve
margin is 18% in both 2008 and 2013, although some regions
are more resource rich than others; California in particular is
projected to have lower reserves than most other regions.

The base gas price case was based on CEC forecasts [17],
revised to reflect the gas price differential that existed at vari-
ous city gates and gas pricing hubs as of August 2004.

Uncertainty Cases. Consistent with fourth TEAM principle
(“explicit uncertainty analysis”), the benefits of the line must be
considered in the context of uncertainties that will unfold over
the life of the project. We quantified the impact of this uncer-
tainty by developing cases with different levels of input as-
sumptions for load, gas prices, hydro conditions, and the ex-
ercise of market power. We believe that these cases cover a
reasonable range of possibilities. We then calculated expected
benefits across these cases taking into account their probabili-
ties. In addition, we consider the line’s “insurance benefit” by
calculating benefits under various possible contingencies.
Sixteen combinations of transmission and/or generation out-
ages were considered as contingencies.

In the expected benefit calculation, we focused on the four
key wvariables just mentioned, defining 17 combinations for
each year. For the cases where we varied load, gas price, and
market power, we examined three levels: very high (H), base
(B), or very low (L). For the hydro cases, we also examined
three levels: wet (W), base (B), or dry (D) year.

We determined the values of the demand and gas price cases
by analyzing the historical accuracy of predictions of those
variables, comparing CEC forecasts of loads and prices over
the past 20 years [17] to their actually realized levels. Load
distributions are characterized using normal distributions fitted
to the historical forecast errors, while gas prices follow a
log-normal distribution. The L and H levels used in the load
and gas sensitivity cases are based on 90% confidence intervals
from their distributions. For loads, those levels vary only
slightly from the base case, while for gas and mark-up, the
differences are large (Fig. 2).
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Fig. 2. Comparison of Very Low, Base, and Very High Assumptions, 2013
(WECC Peak Load in GW; Gas price, WECC Annual Average in $MMBTU)

We took hydro ranges from 80 years of historical hydro
production records. Derivation of the bid mark-up uncertainty
cases is discussed in the subsection on market pricing, below.

The 3x3x3x3 = 81 possible combinations of values for the
four uncertain variables are too many to simulate. Therefore,
we considered a small but representative subset of the cases in
the expected benefits calculations:

1. Base values for all four variables (1 case);

2. Base values for three of the four variables, and the low
value for the fourth variable (4 cases);

3. Base values for three of the four variables, and the high
value for the fourth variable (3 cases; the high load case
with base values for other variables is not considered); and

4. Additional cases representing plausible combinations of
extreme scenarios such as a high stress condition (high
load, high gas price, dry hydro, high market mark-up),
economic boom (high load and gas prices), or recession
induced by high fuel prices (low load, high gas price).
Another consideration in selecting these cases was to make
it possible for probabilities to be chosen so that the means
and standard deviations of each of the individual variables
matched the assumptions, and for correlations to be rea-
sonable (for instance, we expect a positive correlation
between dry conditions and high demand due to warm
temperatures) (9 cases).

Table I shows the selected 17 cases for 2008.

After choosing the cases, it is necessary to determine the
probability that each will occur in the future. Each case is a
realization of the various dimensions of uncertainty in future
system conditions. However, the input data described above
only provides an estimate of the marginal distribution of each
of these dimensions. For example, we have information on the
marginal distributions of future hydro conditions and gas
prices, but not their joint density. Consequently, we must pick
values for the joint probability of each set of future system
conditions. We choose these probabilities using a nonlinear
program that maximizes the logarithm of likelihood (the sum of
the logarithm of the joint probabilities) of observing the 17
scenarios subject to the constraint that the joint probabilities
replicate the first two moments of the marginal distribution of
each variable. Mathematically, we choose the p; for cases i =
1,2,..,17 to maximize Xiln(p;) subject to the constraints:

e Xipi=1, and

e The mean and standard deviation for each variable implied

by these joint probabilities match the assumed values for the

marginal distribution of each variable.

Table I shows the resulting probabilities.

TABLE 1. SEVENTEEN MARKET CASES CONSIDERED IN 2008 EXPECTED
BENEFITS ANALYSIS (ALL BENEFITS ARE IN MILLIONS OF $2008, AND ARE THE
DIFFERENCE BETWEEN "WITH PVD2" AND "WITHOUT PVD2" SIMULATIONS)

CAISO  CAISOR.P.
Case Modified Ratepayer (LMP+ Con-

i LDGPHYMU p;i Societal Societal (LMP Only) tract Path)
1 B B B B 011 453 58.9 379 98.7

2 B B B H 005 47 71.1 54.8 124.5

3 B B D B 0.09 505 66.6 345 115.7

4 B B W B 0.131 243 26.2 29.1 72.8

5 B H B B 0.023 90 113.1 76.7 185.9

6 B H B H 0.018 925 1339 104.8 229.1

7 H B B H 0.033 453 120.8 70.9 199.8

8 H H D B 0018 1199 237 85.2 317.5

9 B H D H 0.018 106 151.6 80.7 257.3
10 B B B L 0I5 42.5 41.5 17 68.5

11 L B B B 0127 299 31.6 35.6 83.3

12 B L B B 0.101 8.8 18.5 8 36.6
13 H H B H 0015 938 2352 143.2 371.1
14 HL B B 0049 44 23.7 22 41

15 L H B B 0023 569 59.5 74.1 155.4
16 H H D H 0015 1358 387.7 234.9 568.5
17 H HW B 0019 19.1 21.5 5.6 119.7

Expected Value 41 61 39 110

Key: LD = load level; GP = gas price level; HY = hydro level; MU = mark-up

Market Price Derivation. The third TEAM principle
(“market prices”) requires that energy prices be projected con-
sidering the potential for market power and how it might be
affected by the proposed upgrade. Although it is a great chal-
lenge to model strategic bidding by suppliers in a full network
model, we were able to rely on California’s experience with
markets over the past seven years. Using historical data, we
were able to demonstrate a stable predictive relationship be-
tween market price-competitive price mark-ups and key vari-
ables that measure system supply/demand conditions. This
regression approach may lack the rigorous foundation in eco-
nomic theory that characterize other studies [24-26], but its
simplicity and robustness together with its ability to capture the
impact of system conditions and competitor behavior on prices
on an hourly basis make it a useful tool here.

We estimated this mark-up relationship from observed data
during two critical periods: from 1999 to 2000 when suppliers
had few long-term commitments to supply energy to load, and
the year 2003 when some suppliers had large long-term con-
tractual commitments.” We estimated regressions predicting
how hourly prices are marked up over the variable cost of the
highest variable cost unit operating during that hour for every
hour in each of three California regions (south, central, north),
based on the amount of supply relative to demand, accounting
for potential import quantities into that zone. These estimated
relationships allow us to build a dynamic bid markup mecha-
nism into PLEXOS in which suppliers' price bids are deter-
mined by their variable costs and the mark-up over these costs
implied by the relationship relevant for this generation unit.
More importantly, because this mechanism varies the bid

*Even though these were very divergent periods, the relationships were
stable over time, giving us confidence in their usefulness.



mark-up with hourly system conditions, we can capture the
impact of major transmission upgrades, such as PVD2, on
import capability into the CAISO control area, thus reducing
the ability of suppliers in the CAISO control area to bid above
their variable cost. After incrementing bids by the mark-ups
implied by these estimated relationships , we then ran PLEXOS
to obtain market prices, which were then used in our assess-
ment of energy benefits.

In the mark-up and system and market conditions rela-
tionship, mark-ups were expressed as a Lerner index
(P4-P.)/P,, where P, represents the actual observed price and P,
is the price that would result from price-taking behavior by
suppliers. The RSI is the variable in this relationship that can
change as a result of a transmission upgrade. The RSI is de-
fined as the ratio of total market supply minus the supply from
the largest firm, divided by the load. Only flexible supplies
were included, netting out obligations to one's own load and
contractual obligations. Likewise, the denominator excluded
such obligations from the load.* RSI < 1 indicates that the
largest supplier is pivotal because system demand cannot be
met without this supplier producing some energy regardless of
the amount of energy produced by its competitors. When these
circumstances occur, the pivotal supplier can name the price at
which it would like to supply this electricity and be assured that
it will receive this price. CAISO experience indicates that
values of RSI less than 1.2 are associated with significant
mAdk-exmipB of a regression relationship used is:

(P-P)/P, =0.14-0.53RSI+0.65LUH+0.086D e +0.15Dgum
(0.013) (0.0073) (0.0092)  (0.0036)  (0.0031) (1)

where LUH is the fraction of the load that is unhedged, Dpea is
a binary variable indicating whether the hour occurs during the
peak period (1=yes, 0=no), and Dg,y is a binary variable indi-
cating whether it is summer. All of the parameters estimates are
very large relative to their standard errors, shown in parenthe-
ses under the coefficients. The data used to estimate the re-
gressions consisted of 31,333 hourly observations from No-
vember 1999 to October 2000, and from January-December
2003. The fit (R* = 0.46) is similar to that obtained for similar
models of the Italian market (e.g., R* = 0.61 for ENEL’s
mark-ups in Sicily) [30].

Because our regression specification is used to derive future
market prices for all the various scenarios considered, it is
important to test the model’s validity. For this purpose, we
estimated several different specifications and compared their
predictive ability using an out-of-sample test. First, we divided
the entire sample into two parts: an in-sample data set and an
out-of-sample data set. The out-of-sample set consists of hourly
data for a total of 60 days in 2003 (5 days for each month in
2003). The in-sample set consists of the remaining 2003 data
along with the 1999-2000 data. Using the in-sample data set,
we generated regression estimates for each regression specifi-
cation. The specifications differed in terms of which variables
were considered and the inclusion of nonlinear terms for RSI.
Then, for each specification, we computed the projected Lerner

* There are must-run and must-take generators in California that are required
to run regardless of market prices because of local reliability constraints or
contractual obligations that pre-date the start of the California market.

Index for the out-of-sample data. Finally, we compared the
projection results from each specification with the actual
Lerner Index, and chose the one that generated the best
out-of-sample fit. The linear specification (1) performed best.

The estimated relationship (1) was used obtain bid mark-ups
for use in PLEXOS by inserting the appropriate values for the
independent variables for each hour and each zone into the
equations, rescaling them so that larger suppliers had higher
mark-ups.” The PVD2 addition of 1200 MW in each direction
increased estimated total market supply in Southern California,
yielding a higher RSI for that region and, as a result, lower
values of (P,-P.)/P, because of the negative coefficient for RSI
variable in (1).

To account for uncertainly in mark-ups implicit in our re-
gression, we used ranges of mark-ups derived from the distri-
bution of the error term in (1). In particular, we calculated the
mark-ups used in particular scenarios as follows:

(Pa-Pc)/Pa = MAX][O, f(RSI,LUH,Dpeak, Dsum) + tane S]  (2)

where f() is the function in (1); S is the standard deviation of
the error term in (1); and ty4e is chosen to represent a particular
mark-up scenario. For the L mark-up scenario, a tyqye corre-
sponding to the lower 90% confidence interval (-1.645) was
used, while for the H mark-up case, the upper 90% limit
(+1.645) was applied. For the B mark-ups, ty3,e = 0.

Project Costs. SCE estimated the capital cost of the PVD2
upgrade to be $680 million, including allowance for funds used
during construction, assuming an in-service date of early 2009.
In 2008 dollars, this is $667M, based upon a 2% inflation rate.
This is about $2.5M/mile. These capital costs were then con-
verted to an equivalent stream of annual revenue requirements.
We estimate that the levelized revenue requirement for the
PVD2 project will be $71 million per year for 50 years, as-
suming a real carrying charge of 10.43%/yr, accounting for
taxes and administrative costs and adding fixed operating costs.
This is the value that we compare the benefits to in order to
determine the economic viability of the project.

C. Results

As noted at the start of this section, we made estimates of
five benefit components: (1) energy savings; (2) operational
benefits; (3) capacity savings; (4) system loss reductions; and
(5) emission reductions. We derived the energy savings using
the PLEXOS market simulation model. We estimated opera-
tional benefits, capacity savings, system losses, and emission
benefits separately, outside of the market modeling process.
Detailed results are available in [32].

Benefit Category 1. Energy Savings. Energy savings are
based on differences between generation costs and prices cal-
culated with and without the proposed PVD2 upgrade. For

*Instead of applying the same bid-cost mark-ups to all strategic suppliers in
the same region, we used a “proportional mark-up” approach, assuming that the
largest supplier had the highest bid-cost mark-up in the region. According to the
supply function equilibrium model [34], the price mark-up of a supplier is
proportional to the quantity it supplies and inversely proportional to the sum of
residual supply elasticity and absolute value of demand elasticity. This indi-
cates that the largest supplier has more incentive than other suppliers to
mark-up its bid. The same implication can be also drawn from Cournot-type
models [22]. Thus, we scaled the result of (2) by the ratio of each supplier’s
uncontracted capacity to the uncontracted capacity of the largest supplier.



market-based pricing scenarios, PLEXOS was solved by in-

serting bid functions for California independent power pro-

ducers (constructed using the supplier’s variable cost and the
bid mark-ups implied by (1), (2)) and production (variable

0O&M) costs for everyone else into the objective function.

However, costs for the purposes of the Societal Benefits cal-

culations are based on assumed fuel costs, not as-bid costs.

To perform the expected benefits calculation, we evaluated
the benefits for 17 different cases for each of the years 2008 and
2013. Each case is composed of two simulations, "without" and
"with" the proposed PVD2 upgrade. As mentioned, we also
considered a set of 16 contingency cases, representing extreme
events for which it is difficult to assign a probability.

Consistent with the first TEAM principle (“benefit frame-
work”), we quantified the benefits from four perspectives:

e Societal - Represents the WECC production cost savings
resulting from adding the transmission upgrade. The total
WECC benefit is also equal to the sum of the Consumer,
Producer, and Transmission Owner benefits.

o Modified Societal - Represents the enhancement to overall
market competitiveness in the WECC resulting from the
upgrade. This is the same as Societal Benefits, except that
Producer Benefit includes the net generator revenue from
competitive prices only, and excludes generator net revenue
from uncompetitive market conditions (i.e., bid mark-ups).

o CAISO Ratepayer (LMP Only) - Demonstrates whether
benefits outweigh costs for CAISO ratepayers. This per-
spective is used to decide whether ISO ratepayers should
fund the transmission expansion. This calculation is based
on locational marginal pricing, and the congestion revenues
that such pricing would imply throughout the WECC.

e CAISO Ratepayer (LMP + Contract Path) - Same perspec-
tive as above but the flow-based or LMP market is modified
to reflect actual transmission pricing rules for selected
contractual paths between CAISO and the Southwest re-
gion, rather than congestion pricing.

PLEXOS’ geographic detail makes finer breakdowns possible,

for example by individual generating company or state. The

focus here, however, is on the breakdown between California
and the rest of the west.®

The CAISO Ratepayer (LMP Only) analysis is performed
assuming congestion revenue is based on WECC physical
flows. An important assumption is that locational marginal
pricing will be uniformly implemented by all WECC entities.

However, this pricing mechanism may not be implemented in

the immediate future. At present, most of the WECC instead

operates based on contract path scheduling.

The distinction between LMP and contract path-based

® It is crucial in any benefit-cost analysis to avoid double-counting of bene-
fits. For instance, consumer expenditures on energy need to be adjusted
downwards for any increases in congestion revenues as a result of the trans-
mission change because such charges are refunded as decreases in transmission
portions of consumer bills. Such adjustments are also made for changes in the
transmission loss surplus (which is also returned to consumers) and for changes
in profits earned by regulated utility-owned generation (which, under aver-
age-cost regulation, are, in effect, returned to consumers). If demand is per-
fectly inelastic, then the decrease in WECC production costs should equal the
sum of producer and consumer benefits, properly accounting for these refunds;
this check was made to ensure that double-counting did not occur.

pricing is important. The CAISO Ratepayer (LMP Only)
computes transmission congestion revenue for each line in the
WECC. In some cases, this congestion revenue can be very
high; the PLEXOS simulations show that the upgrade would
lower those revenues. However, today some congestion is
actually managed in real-time, resulting in uplift charges to
load rather than congestion revenue to transmission owners.
The net result is that the LMP method as applied to the CAISO
Ratepayer perspective exaggerates the amount of congestion
revenue that California transmission owners would receive,
which turn inflates the loss of congestion revenue in today's
environment due to the upgrade. This means that the LMP
Only approach understates the net benefits to California con-
sumers, since lower congestion revenue means that transmis-
sion owners must recover more of their fixed costs from load.

The CAISO Ratepayer (LMP + Contract Path) perspective
corrects this problem by adjusting transmission congestion
revenue both before and after the upgrade. The net impact of
the adjustment was usually an increase in transmission upgrade
benefits for the CAISO ratepayers, more closely reflecting the
upgrade benefits that ratepayers would receive under present
WECC scheduling rules.

Table IT summarizes the energy benefits for 2008 and 2013
from these four perspectives. (Table I, above, presented values
for individual uncertainty cases for 2008.) For perspective, the
values shown in these tables can be compared to power costs
for the CAISO system. For 2003, we estimate the total
wholesale energy costs to be about $12B, about two orders of
magnitude larger than these benefit estimates.

TABLE II. ESTIMATED ENERGY BENEFITS (MILLIONS $2008 PER YEAR)
Expected Range Across

Expected Range Across

Perspective ~ Value, 2008  Cases, 2008 Value, 2013 Cases, 2013
Societal $41 $4 - $200 $54 $20 - $200
Modified $61 $6 - $400 $81 $20 - $600
Societal
CAISO Rate-
payer (LMP) $39 -$3 - $300 $56 -$3 - $400
CAISOR.P.

(LMP + Con- $110 $10 - $600 $200 $50 - $1,000
tract Path)

The benefits in Table II cannot be directly compared to the
annual costs since they have not been levelized over the
50-year project life. Nor do they include the other benefits
described later in this paper. To obtain a levelized annual
benefit, we need to assume a discount rate and to extrapolate
benefits beyond 2013 through the remainder of the 50-year
project life. A real discount rate of 7.16% was used based on
SCE's weighted cost of capital. A 1%/yr real escalation rate for
benefits was selected for the period after 2013. The main
reason is that most of the commodity costs that are a factor in
setting market-clearing prices are likely to escalate in real terms
in the long run (natural gas, labor, steel, concrete, land, emis-
sion offsets, etc.). The resulting levelized energy benefits are
shown in Table III. Assuming zero rather 1% escalation de-
creases both Societal and CAISO Ratepayer Benefits (LMP
only) by about 5 $M/yr.



TABLE III. DERIVATION OF PVD2 BENEFIT-COST RATIOS
(EXPECTED LEVELIZED VALUE, MILLIONS $2008 PER YEAR)

CAISO CAISO Rate-

Component of B-C Modified Ratepayer  payer (LMP +
Ratio Societal Societal (LMP Only) Contract Path)
Levelized Benefits

1. Energy $56 $84 $57 $198

2. Operational $20 $20 $20 $20

3. Capacity $12 $12 $6 $6

4. System Loss $2 $2 $1 $1

5. Emissions $1 $1 $1 $1

- Total $91 $119 $84 $225
Levelized Costs $71 $71 $71 $71
Benefit-Cost Ratio 1.3 1.7 1.2 32

Uncertainty in Energy Benefit Estimates. The ranges of
benefits shown in Table II provide perspective on how uncer-
tain the benefits are for the four perspectives, but they provide
no information regarding the relative likelihood of different
levels of benefits. Since we assigned probabilities to many of
the cases (e.g., Table I), we can use that information to char-
acterize the distribution of benefits. In Fig. 3, we illustrate the
relative probabilities of various benefit ranges for the CAISO
Ratepayer (LMP Only) perspective in 2013. The highest
benefits resulted from those cases where several adverse events
occur simultaneously, such as high load, gas price, and market
power together with dry hydro (Table I).

Expected Value
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Fig. 3. Probability Distribution of Energy Benefits (2013, CAISO Rate-
payer - LMP Only)

There is a 70% chance that the annual energy benefits in
2013 exceed $50 million. There is a 5% probability that the
project would yield an annual ratepayer benefit between $150
and $350 million, indicating that PVD2 would provide sig-
nificant insurance value against extreme events.

We now ask: which uncertainty (load, gas price, hydro,
mark-up) affects benefits the most? One way to answer this is
to compare cases that differ in just one variables. For instance,
we can compare different gas cases (BLBM, BBBM, and
BHBM, Table I). There are essentially no benefits to CAISO
ratepayers (LMP only) if gas prices are low (BLBM), while the
highest gas prices (BBBM) yield almost $80M of benefits in
2013. This latter amount is roughly equivalent to a $20/MWh
price difference between coal and gas-fired power for 1000
MW of imports for half of the year; clearly, imports from
coal-burning regions are more valuable if gas prices are higher.

Meanwhile, comparing Case BBBB with BBBH in Table |

shows that moving from a moderate to a high mark-up in-
creases the societal benefits by only 1.7 $M/yr (compared to a
$45.3M/yr base), but changes the California ratepayer benefit
by an order of magnitude more (from 98.7 to 124.5 $M/yr, for
the LMP + contract path metric). This can be interpreted as
follows. The PVD2 project helps mitigate market power in
California by bringing in competitive supply, and these benefits
are greater if more market power is exercised. The benefits
accrue primarily to California ratepayers, in the form of lower
bills; from a societal point of view, however, those benefits are
largely offset by a loss of producer surplus (profit), so that the
effect on net societal benefits (fuel savings) is smaller. (This
conclusion is borne out by the result that California ratepayer
benefits always exceed societal benefits in Table I, implying
that some other parties will be worse off if the line is built).
A more systematic way to explore the effect of the uncertainties
is to perform a linear regression of the benefit estimates in
Table 1 against the uncertain variables (coded as L=1, M=2,
and H=3). For societal benefits (SB) and California ratepayer
benefits (CRP) (based on LMP + contract path), we get:

SB=6.7 + 5.7LD + 35.5GP -32.9HY + 8.0MU, R*=0.89
(26) (5.9) (5.8) (6.7) (7.3) (3)

CRB=-184.2+63.9LD+98.3GP-80.0HY+60.9MU, R*=0.82
(118.1) (27.0) (35.5) (29.6) (32.7) (@)

where LD = load, GP = gas price, HY = hydro, and MU =
mark-up. The numbers in parentheses are the standard errors
of the coefficients . All the coefficients have the anticipated
signs: benefits increase when load, gas prices, and mark-ups are
higher, and decrease when there is more hydropower. Ata 5%
level of significance (one-tailed test), only GP and HY sig-
nificantly affect societal benefits, but all uncertainties signifi-
cantly affect California ratepayer benefits. Note that the four
variables have the same order of effect on ratepayer benefits.
For instance, going from M to H load increases CRB by 63.9
$M/yr, while going from M to H mark-up increases CRB by
60.9 $M/yr. This result highlights the importance of TEAM
Principle 4: the need to consider market-based pricing as-
sessments of transmission benefits.”

Not considered in the expected value calculations are the 16
contingency cases in which losses of transmission or generation
capacity stress the system. With one exception, each contin-
gency case results in benefits to CAISO ratepayers (LMP +
Contract Path) of over $100M/year, if the contingency is as-
sumed to last the entire year [32], assuming base load, gas
price, and hydro conditions. Under other conditions, the
benefits can be even higher. This indicates that the insurance
value of the PVD2 line would be even greater than indicated by
the right hand tail of Fig. 3.

Benefit Category 2. Operational Benefits. Production cost

’As another indicator of the importance of market power mitigation benefits,
we can compare solutions based on no mark-up (marginal cost bidding) [32]
with the solutions in Table I. That comparison shows that the market power
case yields 6% higher societal benefits and 92% higher CAISO ratepayer
benefits (LMP only) (39% higher if LMP + contract path), assuming the B case
for all four uncertainties. However, the percent increase in benefits resulting
from considering market power mitigation is appreciably higher under “high
stress” conditions (i.e., H loads and gas prices, with dry hydro conditions).



simulations may not capture all the operational costs that are
incurred in managing the electric grid. This is especially true if
generation unit commitment costs and ramp rate limits are not
explicitly modeled, as in the case of PLEXOS. Thus, costs
required to meet an N-1 and relevant N-2 planning contingency
criteria will be underestimated. This implies that some opera-
tional benefits of the PVD2 upgrade may be overlooked. In-
cluding such constraints in large network models may be pos-
sible in the future, in which case these benefits would auto-
matically be incorporated in the energy benefits of Tables I-III.

For contingencies that do not involve the outage of the
PVD2 line, the extra import capacity on the new line reduces
the need for internal CAISO on-line generation. Regarding
PVD2 line outages, the CAISO operators tell us that they keep
a number of units on minimum load to protect against an outage
of the present (PVD1) line. In addition to committing units,
and the corresponding payment of minimum load cost com-
pensation (MLCC), re-dispatch of units is needed to address
real-time congestion which is not resolved in Day—Ahead
congestion management. To estimate these operational bene-
fits, we performed a detailed review of historical MLCC and
real-time redispatch costs. Accounting for other upgrades that
are being implemented, we estimate that the PVD2 upgrade
would result in the following reductions: 5.3% of MLCC as-
sociated with the Southern California “SCIT” nomogram;
22.5% of the system MLCC, 72% of the nuclear MLCC, and
about 12.5% of the re-dispatch cost, resulting in a total annual
savings of $20M in 2008 dollars.

Benefit Category 3. Capacity Benefit. One approach to
analyzing transmission-generation interactions that is consis-
tent with the fifth principle of TEAM (address resource inter-
actions) is to add generation where simulated energy prices
indicate it is profitable, and then recalculate the market equi-
librium. Such an “endogenous generation investment” analysis
was undertaken in the CAISO’s application of TEAM to Path
26 [13]. Alternatively, scenarios of changes in generation
siting that are broadly consistent with how a transmission in-
vestment would change investment incentives could be used,
which was done in the Sunrise analysis in Section IV, below.

In the PVD2 study, a simpler approach was taken to assess
changes in generation investment and the resulting benefits.
Because sensitivity analyses showed that energy prices in both
California and external markets would not be significantly
affected by shifts in generation investment that might occur as a
result of installing that line, the energy market benefits would
not be altered if generation investment was modeled as en-
dogeous. Therefore, so that study resources could be focused
on other issues, the energy market analysis was based on sim-
pler siting assumptions that were the same with and without
PVD2. Then a separate analysis estimated the capacity cost
savings that would result from shifting an amount of generation
investment equivalent to PVD2’s firm capacity from southern
California to Arizona.

We derived capacity benefits using the assumption that
California will continue to have a resource adequacy require-
ment and that Arizona can be the source of contracted capacity
to serve California load. A key assumption for these savings is
that the future cost of capacity in Arizona will be less than the
cost in California for two reasons: lower capital and fixed
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operating costs for peakers and, for the early years of the pro-
ject, a greater resource surplus in Arizona than in California.
We expect the demand for capacity, and the resulting price, to
be less in Arizona.

We estimate that the differential fixed costs for peakers to
be $15/kW/yr in 2008 dollars. If we further assume that firm
summer capacity is available for the entire 1200 MW upgrade,
the capacity benefit would be $18M million per year in 2008$.
To be conservative, we discount this amount by one-third, and
further assume that the benefits will be split equally between
the buyers and sellers of capacity. Thus, we estimate a societal
benefit of 12 $M/yr and a CAISO ratepayer benefit of 6 SM/yr.

Benefit Category 4. Loss Savings. PLEXOS used a lin-
earized DC power flow model without losses, so loss savings
are omitted in the energy savings of Tables II and III. (A ver-
sion of PLEXOS is available that considers losses [20], but was
not applied here.) In practice, we expect PVD2 to decrease
transmission losses. To estimate loss savings, we used the
computed power flows before and after the upgrade, yielding
an estimated reduction in losses worth $2 million annually.
This estimate implicitly accounts for the interplay between
increased losses due to heavier power transfers, and loss re-
duction due to redistribution of these power flows among ex-
isting and new transmission paths.

Benefit Category 5. Emissions. The PVD2 upgrade allows
more efficient Arizona gas-fired generation to displace
less-efficient and higher-emission California gas-fired genera-
tion. In theory, NO, allowance prices should depend on energy
market conditions. But PLEXOS does not presently simulate
the NO, allowances markets in the WECC, in part due to a lack
of emission rate data. Therefore, the results of the model were
subjected to post-processing to estimate how much NO, emis-
sions would decline as a result of the upgrade. Based on the
generation shifts, we estimated a NO, reduction of 390 tons per
year, which at typical allowance prices is worth $2.2 million/yr.
Half that amount is considered a CAISO ratepayer benefit.

Summary of Results. In Table III, we summarize our find-
ings and determine an overall benefit-cost ratio for the societal,
modified societal, and CAISO ratepayer perspectives. The
ratios are positive in every case, but most strongly so for the last
perspective (CAISO ratepayer, considering contract path ef-
fects). These values depend on the assumed scenarios and
their probabilities; as Table I shows, there is considerable un-
certainty concerning these benefits, implying some probability
that benefits in any particular year might be less than the cost.

On the other hand, the calculations in Table IV also do not
consider the generator and transmission contingency cases,
which, as indicated earlier, provide additional insurance value.

D. Resource Alternatives

Consistent with fifth TEAM principle (“resource alterna-
tives”), we need to consider alternatives to the project in the
form of generation (both renewable and fossil-fueled), de-
mand-side management (DSM), and transmission resources.

DSM and renewables are, however, not viewed as alterna-
tives. To the extent that demand-side management (DSM) or
renewable resources are technically and economically feasible,
these resources should be fully developed. Only when contri-
butions from DSM and renewable resources are maximized



should traditional resources be considered. Hence, we focused
on thermal generation and transmission alternatives.

In today's market, the most likely generation alternative is a
new combined-cycle (CC) generating plant. The question for
this analysis is whether the CAISO should promote the PVD2
upgrade, or recommend building new CC’s in the CAISO area,
or both. An analysis of CC construction costs, based on an
assumption that fixed costs would be 10% less in Arizona,
shows that when combined with the levelized cost of the PVD2
upgrade, an Arizona facility is 10% more expensive than one in
California. Ata 90% capacity factor, the Arizona facility is 4%
more expensive. By itself, though, this information is incom-
plete. Other important factors include interconnection costs for
fuel and transmission—which will be significantly greater in
California—and the limited ability to site resources in CAISO
urban areas due to siting opposition. Thus, we believe that
local generating options as well as transmission solutions need
to be aggressively pursued. Building PVD2 does not preclude
the construction of local facilities, as California needs to add
5000 MW or more in the next 5 years due to load growth and
generation retirement.

Turning to transmission, the Southwest Transmission Ex-
pansion Plan [33] evaluated 26 potential transmission upgrade
plans during 2003. Six alternatives were subjected to further
technical and economic analysis. The PVD2 500 kV line was a
component of two of those. The analysis concluded that three
other alternatives were not viable due to reasons such as lack of
project sponsorship, inadequate technical performance, or poor
economics. The last of the six alternatives included a variant of
the PVD?2 line with alternative termination points. We expect
that none of these variants to significantly change the scope of
the proposed PVD2 project.

During the TEAM review process, some stakeholders sug-
gested an alternative (“EOR9000”) that involved upgrading
series capacitors on the Perkins-Mead and Navajo-Crystal 500
kV lines between Arizona and Nevada. We ran PLEXOS
sensitivity cases with EOR9000 and found that it and PVD2 are
complements rather than substitutes. That is, each generally
increases the benefits of implementing the other.

IV. RECENT APPLICATIONS OF TEAM TO RENEWABLES

The most recent applications of the TEAM methodology
illustrate its flexibility. It has been used to evaluate proposed
transmission additions designed to deliver California renew-
able energy sources, including the Sunrise and Tehachapi
projects [35,36]. California has ambitious target of producing
20% of its energy from renewable sources by 2010 and 33% by
2020. New transmission infrastructure appears necessary to
bring that energy to market.

The scope of these applications was more restricted than the
PVD2 study because these were internal California projects,
unlike PVD2 which was designed to import power from the
Southwest. The most restrictive was the Tehachapi study; in
that case, the relatively low cost of the wind resource being
accessed meant that the study could be framed as a
cost-effectiveness study (how best to access a resource that
would be developed in any case), without having to consider
generation alternatives. Furthermore, market power effects
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would not differ among the alternatives, since the same amount
of power would be brought to market. On the other hand, in the
Sunrise case, the project would allow external resources to
substitute for costly new turbine-based generation within the
San Diego load pocket. Therefore, Principle 5 (transmis-
sion-generation-load management substitution) became more
important, and that TEAM analysis was more involved.

V. CONCLUSION

Based on our application of TEAM to the Palo Verde-Devers
2 transmission line proposal, we conclude that the methodology
and its five guiding principles have substantially enhanced the
CAISO’s ability to fulfill its responsibility to evaluate and
recommend transmission expansion projects.

The results of the case study demonstrate that the method-
ology produces the comprehensive analytical information that
project proponents and review authorities need to make in-
formed decisions in shaping California’s transmission infra-
structure. The TEAM approach advances this objective by
creating a framework to examine a project from multiple
viewpoints — from those of the overall western interconnec-
tion, to the consumer or transmission line owner. Equally
important, the methodology provides a flexible mechanism to
identify a range of risks and rewards associated with the project
under diverse contingency and market conditions.

An important question is: what is the practical effect of the
large modeling effort required by TEAM? For the PVD2
study, this can be gauged by comparing the average benefits,
which consider the results of multiple scenarios and the market
power analyses, with the benefits under the base scenario
without market power. The latter benefit estimate can be
viewed as an approximation of what a simpler analytical effort
might yield. The expected benefits to CAISO ratepayers (LMP
only) from the full analysis ($39M) is twice the results of the
scenario with no market power and base hydro, gas, and load
values ($20M, [32, Table H.1]). Given that most of the bene-
fit-cost ratios for the line were less than 2 (Table III), this shows
that the effort expended to consider uncertainty and market
power made an important difference in the PVD2 analysis.

Although greater transparency and more careful analysis
may increase public understanding and acceptance of trans-
mission proposals, it does not guarantee that beneficial pro-
posals will be approved. Indeed, despite the societal and
CAISO benefits of PVD2, the Arizona Corporation Commis-
sion declined to approve it in May 2007 because it perceived
that Arizona consumers would not benefit from the line. The
TEAM methodology’s emphasis on the distribution of benefits
informed these and other proceedings, and will likely contrib-
ute to future consideration of cost-sharing arrangements for the
proposed facility. That the line has an overall positive societal
net benefit implies that such an arrangement should be possible
that benefits both Arizona and California ratepayers.

VI. REFERENCES

[1] National Transmission Grid Study, U.S. Department of Energy, Wash-
ington, DC, May 2002

[2] R.Baldick and E. Kahn, “Transmission Planning Issues in a Competitive
Economic Environment,” IEEE Trans. Power Systems, 8(4), 1993,
1497-1503.



[3] M.O. Buygi, G. Balzer, H.M. Shanechi, and M. Shahidehpour, “Mar-
ket-Based Transmission Expansion Planning,” IEEE Trans. Power Sys-
tems, 19(4), 2004, 2060-2067.

[4] T. de la Torre, J.W. Feltes, T.G. San Roman, and H.M. Merrill, “De-
regulation, Privatization, and Competition: Transmission Planning Under
Uncertainty,” IEEE Trans. Power Systems, 14(2), 1999, 460-465.

[5] R. Fang and D.J. Hill, “A New Strategy for Transmission Expansion in
Competitive Electricity Markets,” IEEE Trans. Power Systems, 18(1),
2003, 374-380.

[6] E.Hirst, “U.S. Transmission Capacity: A Review of Transmission Plans,”
The Electricity Journal, 17(7), 65-79, Aug./Sept. 2004

[7]1 E. Hirst and B. Kirby, “Expanding Transmission Capacity: A Proposed
Planning Process,” The Electricity Journal, 15(8), 54-59, October 2002.

[8] M. Shahidehpour, “Investing in Expansion, The Many Issues That Cloud
Transmission Planning,” IEEE Power & Energy Magazine, 2(1), 2004,
14-18.

[91 RJ. Thomas, J.T. Whitehead, H. Outhred, and T.D. Mount, T.D.,
“Transmission System Planning—The Old World Meets the New,” Pro-
ceedings of the IEEE, 93(11), 2005, 2026 - 2035.

[10] F.A. Wolak, B. Barber, J. Bushnell, and B.F. Hobbs, "Comments on the
London Economics Methodology for Assessing the Benefits of Trans-
mission Expansions", Opinion of the California ISO Market Surveillance
Committee, Oct. 7, 2002, www.caiso.com/docs/09003a6080/1b/
4£/09003a60801b4fa9.pdf

[11] Consortium of Electric Reliability Technology Solutions, “Economic
Evaluation of Transmission Interconnection in a Restructured Market”,
prepared for the California Energy Commission, 2004

[12] U.S. Department of Energy, “Transmission Bottleneck Project Report”,
Washington, DC, March 2003

[13] California ISO, Transmission Economic Assessment Methodology
(TEAM), Folsom, CA, June 2004, Available www.caiso.com/docs/
2003/03/18/2003031815303519270.html

[14] A.Y. Sheffrin, “Wires in the Air: Five Key Principles for Proving Eco-
nomic Need,”The Electricity Journal, 18(2), 2005, 62-77.

[15] M. Awad et al., “The California ISO Transmission Economic Assess-
ment Methodology (TEAM): Principles and Application to Path 26,”
paper presented at the IEEE PES General Meeting, Montreal, June 2006.

[16] California Public Utility Commission, “Order Instituting Rulemaking on
Policies and Practices for the Commission’s Transmission Assessment
Process,” R.04-01-026, San Francisco, 2003.

[17] California Energy Commission, 2003 Integrated Energy Policy Report,
Nov. 12, 2003.

[18] C.F. Robinson, “Comments of the California Independent System Op-
erator on the Proposed Opinion on Methodlogy for Economic Assessment
of Transmission Projects,” Investigation 05-06-041, California Public
Service Commission, July 10, 2006.

[19] GE Energy, MAPS™ Software—For Informed Economic Decisions,
2007, www.gepower.com/prod_serv/products/utility software/en/
downloads/10320.pdf

[20] “PLEXOS for Power
www.plexossolutions.com.

[21] E. E. Sauma and S.S. Oren, “Proactive Planning and Valuation of
Transmission Investments in Restructured Electricity Markets," J. Regul.
Econ., 30(3), 2006, 261-290.

[22] B.F. Hobbs and F.A.M. Rijkers, “Strategic Generation with Conjectured
Transmission Price Responses in a Mixed Transmission Pricing Sys-
tem-Part I: Formulation,” IEEE Trans. Power Systems, 19(2), 2004,
707-717.

[23] A.Y. Sheffrin, J. Chen; B.F. Hobbs, “Watching Watts to Prevent Abuse of
Power,” IEEE Power & Energy Magazine, 2(4), 2004, 58 — 65.

[24] S. Borenstein, J. Bushnell, and F.A. Wolak, “Measuring Market Ineffi-
ciencies in California’s Deregulated Electricity Industry.” Amer. Econ.
Rev.. 92(5), 2002, 1376-1405.

[25] P.L. Joskow and E. Kahn, “A Quantitative Analysis of Pricing Behavior
in California’s Wholesale Electricity Market During Summer 2000,” The
Energy J., 23(4), 2002, 1-35.

[26] C. Wolfram, “Measuring Duopoly Power in the British Electricity Spot
Market,” Amer. Econ. Rev., 89, 1999, 805-26

[27] London Economics International, LLC, A Proposed Methodology for
Evaluating the Economic Benefits in a Restructured Wholesale Electricity
Market, Prepared for the CAISO, Feb. 28, 2003.

[28] M.S. DePillis, Jr., “Uses of Market Simulation by Market System Op-
erators,” Proceedings, IEEE PES Transmission & Distribution Meeting,

Systems,” Adelaide, Australia, 2007,

12

Dallas, May 24, 2006.

[29] PIM Interconnection, LLC, Regional Transmission Expansion Plan,
2006, www.pjm.com/planning/downloads/200660410-rtep-sec-5.pdf .

[30] A. Vaiani, P. Bresesti, and R. Vailati, "A Method to Assess Benefits of
Transmission Expansions in the Italian Electricity Market", Proceedings,
IEEE Power Engineering Society General Meeting, Tampa, FL, June
24-26,2007

[31] F.C. Schweppe, M.C. Caramanis, R.D. Tabors, and R.E. Bohn, Spot
Pricing of Electricity, Appendix A, Kluwer, Boston, 1988.

[32] CAISO, “Board Report, Economic Evaluation of the Palo Verde-Devers
Line No. 2,” Main Report and Technical Appendices, Departments of
Market Analysis & Grid Planning, Feb. 2005,
www.caiso.com/docs/2005/01/19/2005011914572217739.html

[33] STEP Planning Process,
www .caiso.com/docs/2004/03/08/2004030814004810105.doc

[34] R.J. Green and D.M. Newbery, “Competition in the British Electricity
Spot Market,” J. Political Econ., 100(5), 1992, 929-953.

[35] N. Saracino, “Rebuttal Testimony of the California Indepnedent System
Operator Corporation,” In the Matter of the Application of San Diego Gas
& Electric Company for a Certificate of Public Convenience and Neces-
sity for the Sunrise Powerlink Transmission Project, Application
06-08-010, California Public Service Commission, June 15, 2007.

[36] CAISO, “CAISO South Regional Transmission Plan for 2006, Part II:
Findings and Recommendation on the Tehachapi Transmission Project,”
November 18, 2006.

Biographies

Mohamed Awad was formerly Lead Grid Planning Engineer in the Depart-
ment of Grid Planning (DGP) at the CAISO, and is now Faculty of Engineering
at the University of Cairo Keith E. Casey, Ph.D., is Director of the Depart-
ment of Market Monitoring at the CAISO. Anna S. Geevarghese was formerly
Senior Production Cost Analyst and Market Surveillance Committee (MSC)
Liaison, at the CAISO DMA and is now Product Director of Market Analytics
at Global Energy Decisions, Software Division. Jeffrey C. Miller (M.) was
formerly Manager, Regional Transmission at the CAISO DGP. A. Farrokh
Rahimi, Ph.D. (S.M.) was a Principal Market Engineer, CAISO Market &
Product Development, and is now Vice President, Market Design and Con-
sulting, Open Access Technology International, Inc. Anjali Y. Sheffrin,
Ph.D., is Chief Economist and Director, CAISO Market & Product Develop-
ment. Mingxia Zhang, Ph.D., was Lead Market Monitoring Specialist at the
CAISO, Department of Market Monitoring, and is now an independent con-
sultant. Eric Toolson was a Consultant at Pinnacle Consulting, and is now a
consultant at Plexos Solutions, LLC. Glenn Drayton is President of Drayton
Analytics, Pty Ltd.. Benjamin F. Hobbs, Ph.D. (S.M.) is Professor of Geog-
raphy & Environmental Engineering at The Johns Hopkins University and
member of the CAISO MSC. Frank A. Wolak, Ph.D., is Professor of Eco-
nomics at Stanford University and is Chair of the CAISO MSC.



